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Preface 
This dissertation was submitted for the degree Philosopiae Doctor at the University of 
Bergen. The dissertation consists of three papers, two internal reports and an 
introduction including theoretical background. The papers and internal reports are 
based work done in the period 2007 to 2011 at the Centre for Integrated Petroleum 
Research at the University of Bergen. 
The subject of this thesis is multiphase flow in porous media with emphasis on CO2 
sequestration. The impact on wettability alteration on CO2 storage safety is studied for 
both Johansen formation and synthetic model. Different mechanisms that enhance or 
prevent CO2 leakage are analyzed in relation with wettability alteration. 
In addition, the impact of three-phase capillary pressure for three different sets of 
wettability in three-phase flow is evaluated. Three-phase capillary surfaces were 
generated from network modelling.  
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1. Introduction 
Numerical simulation has been used to predict multiphase flow in porous media. It is 
of great importance to incorporate accurate flow properties to obtain a proper 
simulation result thus reducing the risk of making wrong decision. 
Relative permeability and capillary pressure are important key parameters in 
multiphase flow as they describe how different fluid will interact in porous media. It 
is even more important in the case of three-phase flow as there are more fluid phases 
interact in the system. 
In most of the three-phase flow studies, capillary pressure has been neglected due to 
the lack of measured data and assumption that its effect is negligible. In other cases, 
two-phase capillary pressure has been used instead to describe the process in the 
system. This study will try to show how significant the impact of three-phase capillary 
pressure using different rock wettability. The three-phase capillary pressure surfaces 
are generated using a network model. 
Prior research shows that rock wettability is altered during CO2 sequestration due to 
the formation of carbonic acid (H2CO3) which leads to lower pH. In this study the 
effect of wettability alteration is incorporated to assess the safety of Johansen 
formation which is a good candidate for CO2 sequestration project. In addition, the 
wettability alteration effect to different flow parameters such as heterogeneity, 
solubility and diffusion is investigated.  
This thesis consists of two parts; the first part presents a theoretical background for 
the work, and the second part is a collection of papers. The papers are grouped into 
two main topics. The first three papers are discussing about three-phase flow 
simulation in porous media. The rest are discussing about wettability alteration during 
CO2 sequestration. 
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Chapter 2 and 3 of the theoretical background include definitions and descriptions of 
interfacial tension, wettability, capillary pressure, relative permeability and hysteresis. 
Network model and technique for capillary pressure matching are described briefly in 
chapter 4. Three-phase relative permeability and three-phase capillary pressure are 
covered in chapter 5. Chapter 6 provides physical and chemical properties of CO2 
with their implication in CO2 sequestration described in chapter 7. Summary of main 
results is given in chapter 8. Further work is discussed in chapter 9. 
Three papers and two internal reports are included. The titles of the papers are 
“Simulation of three-phase flow in porous media including capillary pressure for 
different wettability system”, “Sensitivity study of cap rock integrity on CO2 storage” 
and “Wettability alteration effect to CO2 sequestration flow mechanism”. In addition 
two CIPR internal reports are included. The titles of the reports are “Application of 
experimental design and ensemble-Kalman filter for capillary pressure matching” and 
“Including three-phase capillary pressure flow description into UTCHEM” 
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2. Interfacial tension and Wettability 
Interfacial tension and wettability are key parameters which affect petrophysical 
properties of reservoir rocks and fluid interaction. Knowledge of these parameters are 
useful to estimate oil reserve and for prediction of production performance. They 
affect the distribution of water, oil and gas within reservoir rock, which in turn, affect 
the displacement behavior and relative permeability characteristics (Mungan (1964), 
Bardon and Longeron (1980), Kumar et al. (1985), Shen et al. (2006), Abdalllah et al. 
(2011)) Both Kumar et al. (1985) and Shen et al. (2006) stated that residual oil 
saturation and relative permeability are significantly altered with changes in IFT for 
low IFT system. The impact are less significant for high IFT system. 
In this thesis, we will investigate the effect of these two parameters on CO2 storage 
capacity and three-phase flow in porous media.  
As will be discussed in chapter 7, paper 2 and paper 3, CO2 injection into aquifer will 
alter both interfacial tension and wettability. Hence it will reduce the capacity of 
aquifer to keep CO2 in immobile condition. However, it will also be shown that 
wettability alteration will reduce mobility of gas, preventing gas to migrate from 
storage. Thus the overall impacts of these parameters in CO2 storage capacity should 
be inspected in detail using reservoir simulation. 
These two parameters also have impact on three-phase capillary pressure. Paper 1 
present the impact of three-phase capillary pressure with different wettability using 
our modified version of UTCHEM simulator. 
2.1 Interfacial tension 
Interfacial tension is a measurement of the cohesive energy present at an interface 
between two immiscible fluids like oil/water, oil/gas, gas/water. If the fluids are a gas 
and a liquid the forces acting on the interface is called surface tension. The interfacial 
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or surface tension is usually denoted using the symbol σ . The surface tension 
between oil and water, owσ  , is shown in figure 2.1.  
The Young-Dupre equation follows from the force balance and is given by 
owowwsos θσσσ cos=−           (1) 
where osσ  is the interfacial tension between the oil and the solid , wsσ  is the 
interfacial tension between the water and the solid, and owθ  is the angle between the 
oil-water interface and the solid. 
osσ
owσ
wsσ
Solid
owθ
Water
Oil
 
Figure 2.1: Force balance of oil-water-solid 
Interfacial tension is obviously very dependent with combination of fluids involved. 
In addition, experiments results shows that interfacial tension is strongly related to its 
pressure, temperature, salinity and pH condition. 
Okasha and Al-Shiwaish (2009) measured interfacial tension of dead oil and brine 
system at different pressure, temperature and salinity condition. They found that the 
interfacial tension increases with increasing pressure and decreases with increasing 
temperature. This observation is similar to previous experiment result performed by 
McCaffery (1972) using on n-octane and water as illustrated in figure 2.2. Okasha and 
Al-Shiwaish (2009) also found that the effect of temperature will be more profound in 
lower salinity condition while pressure will affect interfacial tension more 
significantly at higher salinity condition as illustrated in figure 2.3. 
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Figure 2.2: Effect of temperature and pressure on n-octane/water interfacial tension. 
Adapted from McCaffery (1972). 
 
 
Figure 2.3: Effect of temperature and pressure on interfacial tension for different 
salinity Arab-D (Carbonate reservoir) dead oil/brine system.  
Adapted from Okasha and Al-Shiwaish (2009). 
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Buckley and Fan (2005) measured the effect of pH (in range between 3 and 10) on 
interfacial tension between crude oil and brine. They grouped their experiment results 
into two groups based on acid number of the oil and observed that IFT decreases at 
pH above 7. This observation is in agreement with previously reported by Skauge et 
al. (1999). In most of the samples, interfacial tension will reach plateau when pH 
between 5 and 7 except for two samples with low acid numbers.  
  
Figure 2.4: pH dependence of IFT for low and high acid number oils.  
Adapted from Buckley and Fan (2005). 
Chiquet et al. (2007b) measured interfacial tension for CO2 and water system and 
observed that pressure and temperature effect gives a different trend than seen in oil-
water system. Their observation indicates that interfacial tension between CO2 and 
water decreases with increasing pressure while the effect of temperature on interfacial 
tension is relatively insignificant. We will discuss their experiment results in more 
details in chapter 7 when we discuss alteration of key parameters during CO2 
sequestration project. 
2.2 Wettability 
Wettability is defined as relative degree to which a fluid will spread on a solid surface 
in the presence of other immiscible fluids. Fundamental understanding of the 
wettability of rock surfaces by crude oil and brine requires a good description of the 
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interactions between the different materials in contact. Two mains factors have to be 
considered. On one side, the morphology of the core: pore size distribution, 
permeability and porosity; on the other side, the chemical composition and particular 
interactions between the different phases of oil, brine and rock. Both factors influence 
the wetting behavior of a particular reservoir and will determine the efficiency of an 
oil recovery operation by driving fluids, for example, water flooding process. 
In the system with more than one fluid, the contact angle between two fluids 
determines the rock wettability. The contact angle, owθ , is by convention measured 
through the denser fluid, in this case the water phase, see figure 2.5. Water-wet rock 
will have contact angle between 0º to 75º, while gas-wet will have contact angle 
between 105º to 180º. If contact angle is between these ranges, the rock is considered 
to have neutral or intermediate wettability. 
In the case of neutral wet, due to the fact that the capillary pressure is close to zero, no 
spontaneous displacement of either fluid by the other will occur.  The only way 
either fluid can be displaced by the other is if an external pressure is imposed on the 
displacing fluid. No thick films of either fluid exist under conditions of neutral 
wettability, and it is even possible that the two fluids may flow side-by-side in the 
same pores.  
osσ
owσ
wsσ
Solid
owθ
Water
Oil
 
Figure 2.5: Water droplet spreading on a solid surface 
In general, there are two types of wettability: 
1) Strong wettability 
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During the evolution of a reservoir or cap rock, most of the rock sediments are 
deposited in a water environment and the rock is thus initially strongly water-wet. 
2) Intermediate wettability 
Intermediate wettability describes a condition where there is no dominant phase in 
terms of wettability. Intermediate wettability is divided into three subclasses: mixed-
wet large (MWL), mixed-wet small (MWS) and fractionally-wet (FW). For MWL and 
MWS, the oil-wet pores are usually the large and small pores respectively. In the case 
of a fractionally-wet reservoir, the oil-wet and water-wet pores are not distributed 
with respect to pore size. According to Skauge et al. (2006), fractional wettability 
could be reflected as spot like oil-wet sites on the surface. This special wettability 
could be a result of precipitation, variation in mineralogy, or because the pore shape 
consists of flat surfaces.  
FR
EQ
U
EN
C
Y
PORE RADIUS
Fractionally-Wet  
(FW) System
α
 
FR
EQ
U
EN
C
Y
PORE RADIUS
Mixed-Wet  
Large (MWL) 
System
α
FR
EQ
U
EN
C
Y
PORE RADIUS
Mixed-Wet  
Small (MWS) 
System
α
 
Figure 2.6: Different wettability systems, Adapted from Sorbie and Dijke (2004). 
Mixed-wettability rocks are known to have much higher irreducible water saturation 
compare to uniformly water-wet rocks while uniformly water-wet cores have higher 
irreducible water saturations than neutral-wet cores (Anderson (1987b)). The higher 
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irreducible water saturation in mixed-wet cores can be explained by the increased 
trapping and loss of hydraulic continuity in such a system. On the other hand, 
Irreducible water saturation decreases with increasing permeability for all wettability 
classes (Skauge et al. (2006)).  
Wettability is very dependent on fluid types, pressure, temperature, and pH. Wang and 
Gupta (1995) performed experiments on advancing contact angle of two crude oil – 
brine system for different pressure and temperature. Crude oil (a) is from a carbonate 
reservoir and crude oil (b) is from a sandstone reservoir. Their experiment results 
show that contact angle increases with increasing pressure, while the relationship 
between contact angle and temperature is not straight forward. The two crude oil-
brine systems studied shows different trend which indicate the influence of chemical 
difference between the two systems. 
 
Figure 2.7: Effect of pressure and temperature on contact angle for crude oil-brine(a)-
calcite. Adapted from Wang and Gupta (1995). 
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Figure 2.8: Effect of pressure and temperature on contact angle for crude oil-brine(b)-
quartz. Adapted from Wang and Gupta (1995). 
Skauge et al. (1999) measured contact angle for three crude oils on quartz plate as a 
function of equilibrium pH. As shown from figure 2.9, contact angle decreases with 
increasing pH. This trend is related to surface charge of quartz plate which has a point 
of zero charge at pH 2. At pH higher than 2, quartz surface will be negatively charge 
hence surface charge of crude oil will transfer into the charges, moving from net 
positive at low pH values into negative charge at high pH values. As pH is increased, 
interface between oil-water and water-quartz become more negative, creating 
repulsive forces which stabilize water film covering quartz surface. This phenomenon 
is observed as decreasing contact angle behavior of quartz surface.   
Several wettability measurements for CO2-brine on mica and quartz were performed 
by various researchers (Chiquet et al. (2007a), Shah et al. (2008), Tonnet et al. 
(2008)). These experiments showed a wettability changes as CO2 is being in contact 
with rock. The alteration is a function of CO2 pressure with weaker water-wet at 
higher CO2 pressure. Chiquet et al. (2007a) showed a significant alteration on mica as 
CO2 pressure increased, while Tonnet et al. (2008) showed a minor alteration. 
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However, they agreed on quartz measurements which showed less alteration 
compared to mica. Their experiment results will be discussed in detail in chapter 7 
when we discuss alteration of key parameters during CO2 sequestration project. 
 
Figure 2.9: Effect of equilibrium pH in the aqueous phase on contact angles for crude 
oils. Courtesy of Skauge et al. (1999) 
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3. Multiphase flow in porous media 
Flow study in porous media requires good description of rock and fluid properties. 
Single phase flow is relatively simple to describe since there is not any interaction 
between fluids. Flow efficiency in such system is dependent on the rock permeability 
which is independent on type of fluid that flow in it. 
Multiphase flow in porous media is a complex process. Proper modelling of 
multiphase flow required good description of fluid interaction such as capillary 
pressure and relative permeability. Including these two parameters into reservoir 
simulation will increase complexity of numerical calculation. In some cases, these 
two parameters, especially capillary pressure, will create instability in numerical 
simulation. In this thesis, we have chosen to use analytical model for both parameters 
since they will give more stable simulation. The reason for this is that analytical 
model has a smooth curve which has smooth derivation. 
This chapter will also discuss hysteresis and trapping models which is especially 
useful to describe the process in simulation of CO2 sequestration, as reported in both 
paper 2 and paper 3. 
In this chapter, we will only describe saturation function describe in two-phase flow 
system. Three-phase flow system will be described in detail in chapter 5 of this thesis. 
3.1 Capillary pressure 
When two immiscible fluids contact each other in a pore channel, their interface will 
tend to curve due to the stronger adhesive force of the wetting fluid. The capillary 
pressure is defined as the molecular pressure difference across the interface of two 
fluids. The capillary pressure in a circular pore throat is expressed as: 
r
Pc
θσ cos2
=            (5) 
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where σ is the interfacial tension between the phases, θ is the contact angle, and r is 
the pore throat radius, shown in figure 3.1.  
r
PP waterCO
θσ cos2
2
⋅⋅
+=
r
Rock Surface
θ
waterP
2COWater
 
Figure 3.1: Capillary pressure in a circular tube 
Capillary pressure is often described as a function of wetting phase saturation as 
illustrated in figure 3.2. 
There are several empirical correlations for capillary pressure. One of the most 
commonly used is Skjæveland correlation. 
Skjæveland et al. (2000) formulated an expression for mixed-wet system based on 
Brooks and Corey (1966) correlation. Brooks and Corey correlation is suitable for 
strongly water-wet rock. The correlation is given as: 
wa
wir
wirw
w
c
S
SS
c
P






−
−
=
1
          (6) 
where wc , wa are curvature parameters, wS  is water saturation, wirS  is irreducible 
water saturation. 
Skjæveland et al. (2000) argues that Brooks and Corey can be used for strongly oil-
wet rock with some adjustment as shown below: 
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where oc , oa  are curvature parameters, oS  is oil saturation, orS  is irreducible oil 
saturation. 
Hence, rock with wettability state in-between these two extreme can use the following 
correlation: 
oa
or
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o
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wir
wirw
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
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       (8) 
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Figure 3.2 Illustration of analytical capillary pressure curve 
Equation 8 can be used for both primary drainage and imbibition process using 
different set of coefficient. Primary drainage process is modeled using 0=oc  and 
wc equals to capillary entry pressure.  
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Figure 3.3: Schematic of capillary pressure curves as function of water saturation (a) 
primary drainage; (b) imbibition; (c) secondary drainage; (d) primary imbibition. 
Courtesty of Skjæveland et al. (2000). 
3.2 Relative permeability 
In a multiphase flow, different phases will tend to hinder each other. Some fluids 
might experience a reduced permeability compared to the flow potential that it would 
have given it is the only phase in the porous medium. This permeability is called 
effective permeability while the ratio of effective permeability to the absolute 
permeability is called relative permeability. 
k
k
k ieffri
,
=              (9) 
Darcy’s law can still be applied in multiphase flow with some modifications. 
Effective permeability of a specific phase should be used instead of absolute 
permeability, resulting in a slightly transformed Darcy’s equation: 
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L
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i
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i
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i µµ
⋅⋅
=
⋅
=
,
           (10) 
The relative permeability is often displayed graphically as a function of the saturation 
of the wetting phase, as shown in figure 3.4.  
wS
rwk
rok
 
Figure 3.4: Illustration of analytical relative permeability curve 
In the absence of laboratory data, empirical correlation can be used as an important 
tool. For any particular model, we can use different sets of relative permeability 
curves and investigate the effect of different relative permeability curves on recovery 
profile. 
Another usage of empirical correlation is history matching of production data. We can 
perform simulation of core flooding experiment using different sets of empirical 
model parameter and pick up the best match for a given case. 
3.2.1 Corey relative permeability 
The most well known relative permeability correlations is the Corey (1954) model 
which is power law of normalized water saturation wnS  
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Corey correlations of relative permeability for oil and water (oil-water system) are 
( ) ( ) ( )( ) wnwwnorwSrwwrw SSkSk ⋅=         (12) 
( ) ( ) ( )( ) ownwwnwirSrowwrow SSkSk −⋅= 1        (13) 
where wn and own  are empirical parameters which can be obtained from 
measurement data, ( )
wiSrw
k is end point of water relative permeability, ( )
orwSrow
k is 
end point of oil relative permeability for oil-water system. 
Corey correlation for gas-oil system are given as 
( ) ( ) g
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where gn  and ogn  are empirical parameters, similar with wn  and own , ( )
orgSrg
k  
is the end-point gas relative permeability, ( )
maxoSrog
k is the end-point oil relative 
permeability for oil-gas system. 
3.2.2 LET relative permeability 
The Corey correlation has limited degree of freedom. The LET-correlation (Lomeland 
et. al (2005)) adds more degrees of freedom in order to accommodate the shape of 
measured relative permeability curves in SCAL experiments. 
The LET-type approximation is described by three parameters L, E and T. The 
correlations for oil and water relative permeability for oil-water system are 
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Figure 3.5: Corey relative permeability for oil-water system (left) and oil-gas system 
(right) 
LET correlation for oil-gas system are 
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Figure 3.6: Illustration of Corey and LET relative permeability 
3.3 Hysteresis 
Hysteresis refers to irreversibility or path dependence of the relative permeabilities 
and capillary pressures on saturation path and saturation history. In two-phase flow, 
this path dependence process is divided into two process, drainage and imbibition. 
Drainage is defined as the process in which wetting phase is being displaced by non-
wetting phase while imbibition is defined as the process in which wetting phase is 
displacing non-wetting phase. 
Hysteresis has at least two sources, contact angle hysteresis and trapping of the non-
wetting phase. 
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3.3.1 Contact angle hysteresis 
Laboratory experiments have demonstrated that the contact angle of a system 
experiencing drainage is smaller than the contact angle of the same system when 
experiencing imbibition (Zolotukhin and Ursin (2000)). This phenomenon is typically 
referred to as the contact angle hysteresis which indicates that parameters of system is 
depending upon process direction.  
 
Figure 3.7: Example of contact angle hysteresis for a strongly water-wet and a water-
wet core. Adapted from Anderson (1987a). 
The derivation of Young’s equation assumes that the solid surface is smooth, 
homogeneous, rigid, and chemically and physically inert with respect to the liquids 
employed (Lam et al. (2002)). In the ideal situation a unique contact angle would be 
expected for a given system. However, in a real system a range of contact angles 
exists. The upper limit of the range is referred to as the advancing contact angle, 
found at the advancing edge of a liquid drop, while the receding contact angle is 
found at the receding edge. The contact angle hysteresis is thus the difference 
between these contact angles (Lam et al. 2002).  
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Figure 3.8: Contact angle hysteresis. Adapted from Buckley (1996). 
3.3.2 Trapping 
Hysteresis can also be caused by trapping. During a flooding process, phases can be 
trapped in the porous medium causing the process to be irreversible. There are two 
models explaining the trapping mechanism: the pore doublet model and the snap-off 
model. 
The pore-doublet model explains how fluids can be trapped when the fluids flow at 
different velocity through pores of different sizes. The capillary forces will pull the 
wetting fluid into the small pores, but the viscous forces will give a higher velocity 
through the larger pores. The competition between these two forces will lead to 
trapping in either the small or large pores. Figure 3.9 illustrates a process with low 
injection rate dominated by capillary forces. The wetting phase flows at a larger 
velocity through the smaller pores, and the non-wetting phase is trapped in the larger 
pores. 
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Figure 3.9: Illustration of pore doublet trapping model 
The snap-off model explains how fluid can be trapped if the aspect ratio, the relation 
between the size of the pore body and the pore throat, is high. In water-wet pores the 
oil can be trapped if the collar of water in the pore throat expands and meets in the 
middle, as seen in figure 3.10. The oil in the pore is then no longer connected to the 
rest of the oil-phase and cannot escape from the pore. 
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Figure 3.10: Illustration of Snap-off trapping model. Adapted from Sorbie, K. S., van 
Dijke, M.I.J. (2004). 
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4. Network Model 
Network model offers an alternative approach towards the calculation of single and 
multiphase flow properties by explicitly incorporating interconnected pore elements 
into a three-dimensional frame work. Experiment data can be used to anchor a 
network model and the anchored model can be used further for prediction, for 
example interpolation and extrapolating sparse and expensive measured data from 
laboratory. 
We use network model in this study to generate two-phase (water-gas) relative 
permeability and two-phase (water-gas) capillary pressure for CO2 sequestration 
study. In addition, we also generated three-phase capillary pressure surface for three-
phase flow study for different wettability condition. 
A 3D network model for describing three-phase behavior was constructed at Heriot-
Watt. The network model is based on “3R approach” which is basically defining pore 
properties such as capillary entry pressure, pore volume, pore conductance, based on 
its effective pore radius. 
r
Pc
1
∝            (20) 
v
rV ∝            (21) 
λ
rg ∝            (22) 
where V  is the pore volume, v  is the volume exponent, g  is the pore 
conductance and λ  is the conductance exponent. 
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4.1 Pore size and pore geometry 
Network model is in three dimension with several bounds (maximum 6 bounds for 
three-dimension network model) at each direction. The size of the pores radius is 
assigned randomly from a realistic pore size distribution (PSD). The most common 
pore size distribution is power law distribution. 
( ) krrf ∝            (23) 
where k is power law exponent. 
Equation 24 implies that there is a larger density of smaller pore size if power law 
exponent is above zero. If power law exponent is below zero, a large amount of the 
pore size will be close to maximum pore size. 
Water-filled
pore
Oil-filled 
pore
 
Figure 4.1: Three dimension network model 
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The connectivity between pores is determined as coordination number. The value for 
coordination number is typically ranged from 2.5 to 6 for 3D network. The highest 
coordination number refers to a situation where each pore is connected to the other 
pores. 
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Figure 4.2: Exponential pore size distribution 
4.2 Wettability Distribution 
The network model can use either fractional-wet or mixed-wet distribution. Contact 
angle between oil and water phase is defined directly in the model as function of pore 
radius. In addition, the model allows a different contact angle distribution after 
primary drainage to imitate ageing process. 
Contact angle for both oil-gas and gas-water are calculated using Bartel and Osterhof 
(1927) equation. The general formulation is 
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4.3 Displacement sequences 
Initially, network model is initialized with 100% pores filled with a certain fluid 
which is usually water. In this case, pores are normally defined as strongly water-wet 
as observed in real experiment data.  
Displacement will be started by increasing displacing phase pressure to a certain level 
so that pressure difference between the displacing phase and the displaced phase 
exceeds the minimum capillary entry pressure of the system. In the case of primary 
drainage process, oil will start to displace water in the pores when pressure difference 
between oil phase and water phase has exceeded minimum oil-water capillary entry 
pressure, corresponding to the largest pore throat in the network.  
This statement can be explained by considering the Young-Laplace equation of the 
capillary pressure: 
r
PPP owowwateroilcow
θσ cos2 ⋅
=−=        (27) 
where owσ  is the oil-water interfacial tension (IFT), owθ  is the contact angle 
between oil-water mineral surface and r is the pore radius. 
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Considering this equation, it is obvious that whether or not oil occupies a given pore 
depends directly on the IFT, contact angle, and the effective pore-throat radius. 
According to Sorbie and Dijke (2004), although a pore could be occupied by the non-
wetting phase at a given pressure, there are two reasons why it is prevented from 
invading that given pore: 
1. That particular pore may be inaccessible which means that there are no 
neighboring pores already filled with the non-wetting phase. Hence a water-wet 
pore may not be invaded by oil unless the pressure difference between oil and 
water is above the capillary entry pressure of the given pore, and the oil phase can 
access the pore. 
2. The wetting phase being displaced is trapped  (hydraulically disconnected from 
the outlet) 
Assuming full accessibility, capillary breakthrough will occur when the overpressure 
in the reservoir, the difference between the pressure of the injected CO2 phase and the 
water phase, exceeds the smallest capillary entry pressure in the system  
4.4 Anchoring netwok model to experiment data 
In this thesis, we need to generate three-phase capillary pressure surface that can be 
used in reservoir simulation. It is important that network model is the correct 
representation of the rock in the formation hence some efforts were done on 
anchoring network model to experiment data. 
Manual anchoring requires a lot of trial and error as there is numerous of parameters 
involved and some of the parameters affect the other parameters. Hence we need a 
robust and automatic anchoring procedure. 
Experimental design and ensemble Kalman-filter were tested for this purpose. 
Although these techniques were designed to solve linear problem, we have seen that it 
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also works for non-linear problem as in this case. In order to simplify the problem, we 
matched experiment data in two steps, primary drainage process and imbibition 
process.  
During primary drainage, wettability model is rather simple. Usually, it only has one 
type of wettability, strongly water-wet system. Hence we can tune pore geometry 
parameters in addition to wettability model to match primary drainage data. 
Using matched geometry parameters, we can tune on rock wettability after ageing to 
match capillary pressure during imbibition process. 
4.4.1 Experimental Design 
Experimental design is a technique which allows us to identify which parameters are 
the most influential and quantify their impact in a systematical matter. In our case, we 
can use experimental design to evaluate which parameters that need to be tuned in 
order to get a good match experiment capillary pressure data and capillary pressure 
generated from network model.  
Since there are too many parameters involved, performing the experiments for all the 
possible parameters is not feasible as it is time consuming. Moreover, it is difficult to 
isolate the effect of each parameter as well as the possible interaction between those 
parameters. Using experimental design, coupled with response surface methodology 
(RSM), we can analyze the impact of each parameter on capillary pressure matching 
process in an efficient and rigorous way.  
The main idea of RSM is to use a sequence of experimental design to obtain an 
optimal response (objective function). The model is easy to estimate and apply even 
with little knowledge about the process involved. Due to its generality, it can only be 
used as an approximation model.  
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The first step of experimental design is to identify the uncertainty of each parameters 
and objective function. The following objective function is used to perform capillary 
pressure matching. 
∑
−
=
erimentcow
elnetworkcowerimentcow
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pp
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mod_exp
        (28) 
Due to number of parameters involved, we did not investigate interaction between 
parameters. Hence quadratic model was chosen for our RSM model. 
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where nnaaaaa ,...,,,...,, 221121  are constant coefficients obtained by fitting a set of 
objective function. 
Sufficient number of network model simulations must be performed to fit this model. 
In addition, parameters used in these simulations must be representative to domain of 
parameter uncertainties. For such problem, we can use optimal design technique, a 
class of experimental design, which is optimal with respect to some statistical 
criterion.  
Optimal design reduce the costs of simulation by allow statistical model to be 
estimated with fewer simulation runs. It is known that the least square estimator 
minimizes the variance of mean-unbiased estimators which corresponds to 
maximizing the information matrix. For this study, we generate estimator matrix using 
MATLAB library based on D-optimality criterion. This method tries to minimize 
( ) 1' −XX  which is equivalent to maximize the determinant of information matrix 
XX '  of the design. The output of optimal design will be the parameter input for 
network model simulation. 
Once the RSM model has been fitted, we use the coefficients ( ),...,,, 321 naaaa from 
RSM model to determine the shifting in parameter domains. Parameters with highest 
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absolute coefficient are adjusted using bisection technique. The adjustments are 
defined using the following equation: 
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where 0 max
0
min , ii xx  are minimum and maximum value of parameter i from previous 
time step. Network model simulation is run with updated parameter range to check for 
capillary pressure match. The process can be repeated until we get a good match or all 
the parameters are converged. 
4.4.2 Ensemble Kalman-filter 
The ensemble Kalman filter (EnKF) is a recursive filter which is suitable for 
problems with a large number of variables, such as discretization of partial 
differential equation in geophysical models. This technique is based on Monte Carlo 
method where the probability distribution is represented by an ensemble of model 
realizations. EnKF tries to minimize the mismatch between capillary pressure 
computed by network model with measured capillary pressure.  
In general, ensemble Kalman-Filter consists of two steps, forecasting and 
assimilation. During forecasting step, we run network model for each ensemble to a 
certain saturation level and extract capillary pressure at that particular saturation level. 
Afterward, we apply the Kalman equations on output of these runs and measurement 
data and update the model variables. This step is called assimilation step. 
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In every saturation level one more measurement is match and the variation in the 
distribution of the parameters will hopefully decrease as the prior is combined with 
the likelihood calculated from this new information. Output from the method is 
distribution of the input parameters to network model. 
 
Figure 4.3: Illustration of the Kalman-Filter cycle 
As describe above, we start the technique by obtaining measurement for every 
saturation level. In this case, we have ( )tcowp  for the oil-water capillary pressures, 
where t denotes the time step where the data point at saturation ( )tws  is matched. In 
addition, we have ( )twirs  which is constant any time step. 
In this study, we assume measurement errors to be within ± 10% with 90% 
confidence and the error follows a normal distribution, which means that there is a 
standard deviation ( )tσ  of approximately 6% of the measured value for each type, 
assuming tails on both sides. Assuming that errors in capillary pressure measurement 
are independent with error from irreducible water saturation measurement, we will 
have a diagonal covariance matrix E with elements: 
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According to Evensen (2007), we need to add perturbation on measurement data 
across the ensemble in order to get a correct sampling. We achieve it by adding 
stochastic noise from the measurement distribution. 
Forecasting Step Assimilation Step 
Update parameter 
Update 
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where ( ) ( )tj
t
j 21 ,ξξ are normal distributed with new variance of ( )tσ for each time step t, 
with n being the ensemble size: 
Since we do not have any information about distribution of our input parameters, we 
have chosen that the parameter is uniformly distributed between their lower limits ia  
and their upper limits ib , where each parameter is indexed with [ ]mi ,1∈ , m is 
number of parameters that we are going to tune using ensemble Kalman filter. Since 
enKF is based on assumption that parameters are Gaussian (normal distribution), we 
need to transform our parameters distribution prior using enKF. We use the inverse 
normal cumulative distribution function 1−g  to transform between uniformly 
distributed values to a set of values θ  in a Gaussian space with zero mean and unit 
standard deviation with elements: 
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with ( )tα  be updated estimate at time step t.  
Some of the parameter ranges are related to each other. For example, we have one 
parameter for minimum pore size distribution and the other for maximum pore size 
distribution. It is necessary to make sure that for each ensemble we have a reasonably 
correct value i.e. minimum pore size distribution for each ensemble should be lower 
that maximum pore size for that ensemble. This problem can also occur after an 
update of the filter. If their intervals are given by [ ]sizesize ba _minmin_ ,  and 
[ ]sizesize ba max_max_ , , we can use the following approach to set both minimum and 
maximum values to the mean of the two: 
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replacing { }sizesize max_,min_α with { }
'
max_,min_ sizesizeα  if sizesize min_max_ αα < . Using this 
approach, we are adjusting the parameters in the direction that the Kalman filter wants 
but in a controlled manner such that the maximum value is not smaller than minimum 
value. 
The forward simulation is given by 
( ) ( ) ( )( )twtt sf ,αψ =           (36) 
where f returns capillary pressure ψ when simulation is run with the parameters α  
towards a target saturation s for time step t . 
The EnKF is based on first running the forward model and then updating when new 
measurements become available. This is done for each ensemble member. Update is 
done with the standard Kalman filter update equations, combined with an ensemble 
approximation to the covariance matrices (Evensen (2007)). Introducing the ensemble 
matrices Θ , Y and D holding the n ensemble members ofθ , y  and d  in each 
column, the EnKF update equations may be written: 
( ) ( ) ( ) ( ) ( )( )ttttt YDK −+Θ=Θ +1         (37) 
where ( )tK  is the Kalman gain matrix given by: 
( ) ( ) ( ) ( )( ) 1−Θ += ttYYtYt ECCK          (38) 
The covariance used above is given by the standard expressions: 
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where Y and Θ are the matrices holding the ensemble means in each column: 
{ } n1,...,,, ⋅Θ==Θ θθθθ          (40) 
{ } nYyyyyY 1,...,,, ⋅==          (41) 
where n1  is the n times n matrix with all elements equal to n1 . 
We start the process by setting up initial ensemble of each parameter stochastically. In 
this case, we draw values of ( )1iθ  normally distributed with zero mean and unit 
standard deviation. 
If the residual is large, there will be large changes in the parameters. The amount of 
changes is determined by the Kalman gain. If the distribution of parameters θ and 
capillary pressure y  are width, the covariance matrix YCΘ  will have large entries. 
If the entries in the matrices YYC and E are large, this will have the opposite effect. E 
has large entries if we consider the uncertainties in the measurements to be large. The 
Kalman gain will therefore depend on the distributions of the parameters and the 
measurements. 
The final solution of network model parameters are taken as the mean of the last 
ensemble after update. The capillary pressure curve made by the network model with 
these parameters should match all the measurements according to the given standard 
deviation. 
The approach for Ensemble Kalman-Filter technique that we use in this study is 
similar to the previous study by Holm et al. (2009). The main difference in the 
approach is matching of end-point saturation. In this study, we include end-point 
saturation as measurement parameter. This parameter will be tuned at each time step 
hence we can get a good fit on end-point saturation. Holm et al. (2009) focused solely 
on capillary pressure matching and there is no effort made on end-point saturation 
matching. Instead, they relax the matching criteria for capillary pressure near the 
asymptote. 
 37 
Internal report 2 in this thesis discusses application of these two methods to tune 
network model for capillary pressure matching. In that report, we presented a typical 
network model and use it as synthetic case with maximum 10% random noise added 
to the data. The report shows that ensemble Kalman-Filter is superior compared to 
experimental design for given case. 
We have considered several improvements that can be done to enhance both 
techniques. Details will be presented in Further work section.  
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5. Three-phase flow characteristic 
When the three phases oil, water and gas are present in a porous media at the same 
time, three-phase flow parameters must be used to describe the behaviour. Three-
phase flow properties are very important for correct modelling and prediction of EOR 
processes that involves water and gas such as WAG and depletion after water 
flooding. 
The description of three-phase flow properties as shown below was included into 
UTCHEM, a chemical flooding simulator made by University of Texas Austin.  
5.1 Three-phase capillary pressure 
Killough (1976) method is often used to model three-phase capillary pressure. The 
three-phase capillary pressure is constructed as a weighted average between the two-
phase drainage and imbibition curves. 
( )drainagecimbibitioncdrainagecc PPFPP −+=        (42) 
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where drainagecP  is the drainage capillary pressure, imbibitioncP  is the imbibition 
capillary pressure, hyswS ,  is the water saturation at the hysteresis reversal point, 
max,wS  is the maximum water saturation attainable on the scanning curve when 
trapping of the other phases is subtracted and E is a curvature parameter. 
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Figure 5.1: Killough three-phase capillary pressure 
Helland and Skjæveland (2004) proposed a correlation for three-phase capillary 
pressure which basically the extension of Skjæveland (2000) capillary pressure 
correlation. The general formulation of Helland and Skjæveland capillary pressure is 
as follow: 
( ) ( ) 222111 11 ddijc ScScP −− −+−=        (44) 
where ijcP  is three-phase capillary pressure of oil-water, oil-gas and gas-water, 1S  
and 2S  are two dominating phase saturations. The coefficient c and d have to be 
determined by matching to the three-phase capillary pressure experiment data. 
Very few measurements of three-phase capillary pressure exist. Kalaydjian (1992) 
measured three-phase capillary pressure on an outcrop water-wet core and on 
unconsolidated material and observed that the three-phase capillary is dependent on 
all phase saturations. In addition they also found that the three-phase capillary 
pressure had a higher value than the two-phase capillary pressure, which indicates that 
Killough correlation could not be used to predict three-phase capillary pressure. 
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A few attempts have been made to estimate three-phase capillary pressure using 
network models (Mani and Mohanty (1998), Fenwick and Blunt (1998), Lerdahl et al. 
(2000), vanDijke and Sorbie (2001)). The network models are usually anchored to the 
measured two-phase capillary pressure data as discussed in chapter 4.4. The anchored 
network models are used to predict three-phase capillary pressure. The three-phase 
capillary pressure surface is obtained by simulating injection of one phase (primary 
process) until reaching a certain saturation followed by another phase injection 
(secondary process). The process is repeated for different saturation level. This will 
give us a collection of saturation paths, which can be used as a based for three-phase 
capillary pressure surface, as shown in figure 5.2. 
 
Figure 5.2: Example of three-phase capillary pressure surface for W1G2 process 
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5.2 Three-phase relative permeability 
Three-phase relative permeability is difficult to measure and correlations of two-
phase data are usually used to estimate the three-phase data. It is often assumed that 
the water and gas relative permeability is a function of its own saturation only, and 
two-phase relative permeabilities for water and gas can therefore be used for three-
phase cases. Three-phase oil relative permeability is assumed to be a function of both 
gas and water saturation. 
Many correlations for the oil relative permeability exist. Several authors have made 
correlations for three-phase relative permeability. The Stone I (Stone (1970)) and 
Stone II (Stone (1973)) models for estimation of three-phase relative permeability are 
widely used. Stone introduced the normalised saturations. 
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where ormS  is the minimum oil saturation after gas and water injection. 
In the Stone I model the relative permeability of oil is defined as 
gworo Sk ββ ⋅⋅= *           (48) 
wβ  and gβ  are given by 
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where rowk  is the two-phase oil relative permeability in a oil-water system and rogk  
is the two-phase oil relative permeability in a gas-oil system. 
The Stone II (Stone 1973) model defines the oil relative permeability as 
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where ( )
wiSrow
k  is the relative permeability of oil at the irreducible water saturation 
from the two-phase oil-water system. 
It is difficult to conduct a three-phase flow experiment. The number of experiments 
concerning three-phase flow is therefore limited, but some reported cases exist. The 
experiments show a very complex behavior. Several different results for the hysteresis 
behavior of gas, water and oil have been reported, where wettability plays an 
important role. The relative permeability correlations, both Stone I and Stone II, often 
fail to predict what is seen in the experiments. 
In order to describe the experimental data correctly many mechanisms must be 
included in the model. Larsen and Skauge (1998) have made a history dependent 
model for three-phase relative permeability (WAGHYST model), which have been 
included in the Eclipse 100 simulator.  
In this model, gas trapping is modeled in the same way as two-phase hysteresis 
method of Carlson (Carlson (1981)). The imbibition relative permeability is 
calculated from drainage relative permeability curve in the same hysteresis loop. In 
this model, gas mobility is reduced in three-phase condition i.e. water saturation is 
higher than its connate saturation. The relative permeability is reduced by the ratio of 
connate water saturation divided by actual water saturation.  
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Figure 5.3: Larsen and Skauge three-phase gas relative permeability.  
Adapted from Larsen and Skauge (1998). 
 
Figure 5.4: Larsen and Skauge three-phase water relative permeability.  
Adapted from Larsen and Skauge (1998). 
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Three-phase oil relative permeability is calculated by Stone 1 method (Stone (1970)) 
The residual oil saturation is a function of trapped gas saturation which means 
residual oil saturation could be lower in three-phase dominated zone. This is similar 
to observation made by Holmgren and Morse (1951), Kortekaas and van Poelgeest 
(1991) and Skauge and Aarra (1993). 
Water relative permeability input in WAGHYST model are divided into two groups, 
two-phase condition and three-phase condition. For transitions between two-phase 
and three-phase zones, we calculate water relative permeability using interpolation 
between these two curves, as illustrated in figure 5.4. 
For the purpose of this study, we have implemented Larsen and Skauge three-phase 
relative permeability model into UTCHEM. This implementation was compared to 
Eclipse WAGHYST model and gives a very good match. In addition, we have 
included description of three-phase capillary pressure as 2D table input, similar to 
Eclipse PCG32D and PCW32D keywords. The input criteria is relaxed compare to 
Eclipse to allow three-phase capillary pressure input which is higher than two-phase 
capillary pressure.  
The impact of including three-phase capillary pressure is investigated in internal 
report 1 and paper 1 which can be found in this thesis. In general, we observe a 
significant effect of three-phase capillary pressure. On the contrary, two-phase 
capillary pressure give small and relatively negligible effect on recovery profile, 
according to our simulation result. These results will be elaborated in chapter 8 in this 
thesis. 
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6. CO2 properties 
It is important to understand the physical and chemical processes involved when 
addressing the efficiency of geological storage of CO2, especially when determining 
whether or not CO2 will remain stored under a certain set of condition. This chapter 
serves as background theory for further discussion on CO2 sequestration study. The 
CO2 properties are modeled internally by CMG-GHG simulator based on equation of 
state. 
6.1 CO2 physical properties 
Figure 6.1 shows CO2 behavior as function of pressure and temperature. Under 
normal condition (15 °C, 1 bar) CO2 is in gas phase. At low temperatures CO2 is a 
solid. Increasing temperature, with pressure below 5.1 bars, will cause the solid to 
sublime directly into the vapor state. At intermediate temperatures (between triple 
point temperature and critical temperature), CO2 may turned from vapor into a liquid 
by compressing it above its liquefaction pressure. At temperatures higher than critical 
temperature, with pressure above 73.9 bar, CO2 is in supercritical state. At this 
condition, pure gaseous CO2 can not be liquefied regardless of the pressure, and in the 
supercritical environment only one phase exists. The CO2 is neither a gas nor a liquid, 
and is best described as a very mobile liquid. Supercritical CO2 forms a phase that is 
distinct from the aqueous phase, and can change continuously into either gaseous or 
liquid CO2 with no phase boundaries.  
CO2 density is dependent on its pressure and temperature. As shown in figure 6.2, 
CO2 density increased as pressure is increased and decreasing as temperature is 
raised. At high pressure, CO2 density can be very high, approach or even exceeding 
liquid water density (Freund et al. (2005b)) 
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Figure 6.1: Phase diagram for CO2. Adapted from Rubin et al. (2005). 
 
Figure 6.2: Effect of pressure and temperature on CO2 density. 
Adapted from Freund et al. (2005b). 
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An overview of the physical properties of CO2 is shown below. 
Property Value 
Molecular weight 44.01 
Critical temperature 31.1 oC 
Critical pressure 73.9 bar 
Critical density 467 kg/m3 
Triple point temperature -56.5 oC 
Triple point pressure 5.18 bar 
Boiling point -78.5 oC @ 1.013 bar 
Gas Phase  
Gas density @ boiling point 2.814 kg/m3 
Gas density (standard condition) 1.976 kg/m3 
Viscosity @ standard condition 13.72 µ Pa.s 
Solubility in water @ standard condition 1.716 vol/vol 
Liquid Phase  
Vapour pressure (20 oC) 58.5 bar 
Liquid density (-20oC, 19.7 bar) 1032 kg/m3 
Viscosity (standard condition) 99 µ Pa.s 
Solid Phase  
Density (freezing point) 1562 kg/m3 
Table 6.1: Physical properties of CO2 
CO2 saturated brine has higher density compare to pure brine hence it will migrate 
downward while pure brine will migrate upward. Since CO2 has lower density than 
brine, it will also migrate upward. Thus, it will increase the contact between brine and 
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CO2, enhance the dissolution rate of CO2 into brine. Figure 6.3 shows the effect of 
CO2 concentration to CO2 saturated brine density.  
 
Figure 6.3: Effect of dissolved CO2 concentration to brine density at 60 ˚C. 
Adapted from Ülker et al. (2007) 
6.2 Solubility 
Solubility of CO2 in water is mainly dependent on pressure and temperature. Figure 
6.4 shows the effect of pressure and temperature on CO2 solubility in water. We can 
see that solubility of CO2 increases with increasing pressure and decreases with 
increasing temperature. Baines and Worden (2004) stated that at temperature above 
100 degrees celcius and pressure above 300 bars, CO2 solubility increases with 
increasing temperature. 
Solubility is also dependent on water salinity. Figure 6.5 shows that an increase in 
salinity significantly decreases the CO2 solubility, especially at high pressure. 
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Figure 6.4: Solubility of CO2 in water (Kohl and Nielsen 1997).  
Adapted from Freund et al. (2005b). 
 
Figure 6.5: Solubility of CO2 in aqueous solutions of NaCl with varying total salinity 
at 60 ˚C. Chang et al. 1998. Adapted from Ülker et al. (2007). 
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6.3 Diffusion 
Diffusion describes the spread of particles from regions of higher concentration to 
regions of lower concentration. The concept of diffusion is tied to that of mass 
transfer driven by a concentration gradient, but diffusion can still occur when there is 
no concentration gradient. Diffusion rate is a function of only temperature, and is not 
affected by concentration.  
Tamimi et al. (1994) measured the liquid-phase diffusion coefficient for hydrogen 
sulphide, carbon dioxide, and nitrous oxide in water over the temperature range 293 – 
368K. Tamimi et al. shows that CO2 diffusion rate is increasing with temperature at 
increasing slope which means it is more critical issue at higher reservoir temperature. 
 
Figure 6.6: Temperature - Diffusivity of CO2 in water plot.  
Adapted from Tamimi et al. (1994) 
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7. CO2 sequestration mechanism 
During CO2 sequestration, injected CO2 will interact with brine and rock minerals 
both in aquifer and cap rocks. This interaction will affect the properties of all 
involved compounds and can affect storage capacity of aquifer. It is of great 
importance to understand mechanisms involved during CO2 sequestration in order to 
properly model storage capacity.  
In addition, it is shown by several authors that CO2-brine interfacial tension and rock 
wettability can be altered during this interaction. One of the focus of this thesis is to 
properly model alteration in both properties and evaluate the effect to storage 
capacity. 
7.1 CO2 Flow mechanisms 
Johnson et al. (2001) stated that injected CO2 can be categorized into three distinct 
processes: 
1. Immiscible CO2 plume migration 
2. Interaction between CO2 plume with ambient saline waters 
3. Interaction between CO2 plume with aquifer and cap-rock minerals 
7.1.1 Immiscible CO2 plume migration 
According to Bryant et al. (2006), CO2 migration is mainly controlled by bouyancy 
forces, uniformity of the displacement front and saturation of CO2 behind the front. 
CO2 displacing water is essentially an immiscible drainage process. Assuming water-
wet state condition, CO2 will enter largest pores first and increase CO2 saturation 
rapidly. This will increase relative permeability of CO2 and enhance CO2 injectivity. 
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As pointed out in chapter 6, CO2 density is in general lower compared to water 
density. Hence, the effect of gravity segregation will result in migration of immiscible 
CO2 plume upward. In general, saline formation will have an even higher density thus 
allowing more rapid CO2 plum migrates upward. Bryant et al. observed in 2006 that 
the first-order influence on buoyancy-driven CO2 displacement is heterogeneity of the 
aquifer, not instability of the CO2-fluid contact.  
Due to low viscosity, hence higher mobility ratio, CO2 will migrate into high 
permeability zone. This could result in CO2 skipping part of the pore space (viscous 
fingering effect), depending on the heterogeneity and anisotropy of the rock 
permeability (Benson et al. (2005)). Combination of gravity segregation and viscous 
fingering could affect CO2 storage capacity due to low sweep efficiency.  
During CO2 migration through a formation, some of the CO2 will be trapped in the 
pore space by capillary forces. This is commonly referred as “residual CO2 trapping”, 
which could immobilize significant amounts of CO2. When CO2 is injected at the 
bottom of a thick formation, all of the CO2 may be trapped by this mechanism, even 
before it reaches the cap rock (Benson et al. (2005)). 
7.1.2 Interaction between CO2 plume with water 
CO2 is a rather reactive substance. According to Baines and Worden (2004), CO2 
injection into deep subsurface will result in chemical disequilibria and initiate various 
chemical reactions. Benson et al. (2005) describe possible reactions could include 
diffusion, dissolution of CO2 into fluid formation, mineralization and adsorbtion of 
CO2 into organic material.  
It is very important to address the direction, rate and magnitude of such reactions both 
in terms of their impact upon the ability of a host formation to contain the injected 
CO2 safely, and in terms of the longevity of CO2 containment. This is certainly not an 
easy task since these processes depend upon the structure, mineralogy and 
hydrogeology of the specific lithology concerned (Baines and Worden (2004)). 
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In general, injected CO2 is in dry condition. The reason for this is to reduced 
deterioration of equipment such as tubing and pump. Dry CO2 also has another 
benefit as it reduces the risk of CO2 hydrate forming within the pipes. Injected dry 
CO2 gas will interact each other causing both dissolution of CO2 into water and 
dissolution of water into CO2 (Baines and Worden (2004)). The dissolution will 
follow the following reaction: 
+−+− +⇔+⇔⇔+⇔+ H2COHHCOCOHOHCOOHCO 233322)aq(22)g(2   (39) 
This reaction is dependent on temperature and pressure condition, which are 
important factors influencing the solubility of CO2 (Freund et al. (2005a)). This 
reaction is also dependent upon the ability of the formation to buffer pH. According 
to le Chatelier’s principle, additional reactions that consume H+ ions will tend to 
drive the above reaction to the right, causing more CO2 to dissolve (Baines and 
Worden (2004)). 
The CO2 solubility also depends on the degree of CO2-brine mixing. As CO2 
dissolves, the formation brine density increases, resulting in CO2 saturated brine being 
approximately 1 - 3 percent denser than original formation water, depending on 
salinity, P and T (Benson et al. (2005), Ülker et al. (2007)). This density difference 
will cause instability and, if the reservoir has a high vertical permeability, it may lead 
to free convection, replacing the CO2-saturated water from the  plume vicinity with 
unsaturated water, resulting in faster rates of CO2 dissolution (Benson et al. (2005), 
Ülker et al. (2007)).   
Baines and Worden (2004) reported that the degree to which CO2 reacts with the 
formation water, which is dominated by its solubility, will depend on factors such as: 
pressure, temperature, fluid chemistry, the degree of CO2-water mixing, or contact 
surface with CO2 and water. The extent of these reactions will also depend upon the 
composition of the rocks and the minerals encountered. According to the authors, 
formation water chemistry will also be influenced by chemical interaction with the 
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host formation, meaning that the rates of mineral reactions will also have an impact 
on CO2-solubility.  
7.1.3 Interaction between CO2 plume with minerals 
Injecting dense CO2 into saline aquifer could trigger geochemical reactions such as 
the precipitation of CO2 with may be beneficial and trap CO2 in a more permanent 
state. On the other hand, some reactions may causing mineral dissolution and enhance 
leakage potential.  
According to Benson et al. (2005), geochemical reactions may take several thousand 
years to have a significant impact on CO2 sequestration hence it could be neglected 
during injection phase. 
There is evidence that both dissolution and precipitation reactions could occur not just 
in the reservoir, but in the cap rock as well (Baines and Worden (2004)) Hence it is 
very important to have a good knowledge of the possible reactions with cap rock 
when estimating the storage efficiency of a site. The safety of CO2 sequestration 
project in the deep sub-surface is very dependent on the type of material constituting 
the cap rock. One of the most important parameter in CO2 sequestration project is the 
pressure. During injection phase the pressure in the CO2 phase is significantly higher 
than the CO2 pressure in natural analogues, hence increasing the capillary 
breakthrough potential and increase CO2-solubility in water, which could result in 
higher reaction rates.  
It is important to address both the reactions between dry supercritical CO2 and the cap 
rock, and between dissolved CO2 and the cap rock. If the relatively dry CO2 is able to 
contact the cap rock, and if the chemical potential of water in the CO2 is low enough, 
it might initiate water loss from the overlying cap rocks, which if extensive, might 
allow for enhanced CO2 migration into, or through the cap rock. Dissolved CO2 may 
contribute greatly to CO2 migration. As will be shown later, the reduction of pH as a 
result of CO2 dissolution in the brine could result in a decrease in the ability of the 
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cap rock to prevent CO2 migration. In addition, dissolution of minerals in the cap rock 
might result in the formation of flow pathways that might aid CO2 leakage. The 
storage safety will be dependent not only on the particular cap rock, e.g. argillites 
(clays, shales) and evaporites, but also on the minerals constituting the cap rock (e.g. 
mica or quartz)  (Baines and Worden (2004)). 
7.2 Alteration of key parameters 
Several researches have pointed out the possibility of alteration of both wettability 
and interfacial tension (IFT) during CO2 flooding operation. This alteration will 
obviously change CO2 threshold pressure to enter a given pore, thus alter the storage 
capacity of CO2 (Chiquet et al. (2007b)).  
7.2.1 Contact angle alteration  
Wettability is very important issue in CO2 sequestration project. In general, gas is 
considered as the non-wetting phase. According to Chalbaud et al. (2007a), there is a 
possibility that injected CO2 will behave as wetting phase. In strongly water-wet 
micro models, very thin water films are observed surrounding the solid surface, which 
become less apparent at increasing pressures. This behavior is due to a reduction in 
electrostatic interaction which tends to stabilize the water films.  
According to Chiquet et al. (2007a), a loss of the water-wettability of the minerals 
present in cap rocks could decrease or even cancel their capillary-sealing efficiency 
with respect to CO2. Such wettability alterations could trigger a high risk to CO2 
underground storage beneath shaly cap rocks, as low CO2 breakthrough pressures 
would hence have to be expected. 
There are two main factors that affect wettability. First factor is the morphology of the 
media (e.g. the cap rock), including pore-size distribution, permeability and porosity. 
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In addition, wettability is also dependent on the chemical composition and particular 
interactions between the different phases (interfacial tension).  
Initially most of the rock sediments are water-wet. In a CO2/water system, brine will 
occupy the small pores and form a wetting film on the rock surface which enhances 
continuity of the wetting phase (Chalbaud et al. 2007b). Wettability will affect CO2 
injectivity and how the displacement proceeds during flooding.  
Chiquet et al. (2005) reported that most shale minerals are strongly water-wet in the 
presence of air and hydrocarbons, but its wettability is altered when CO2 is in contact 
with brine in the cap rock. When CO2 contacts brine, it tends to dissolve into water 
and forms carbonic acid (H2CO3) with a low pH of 3.3 – 3.7. This low pH will tend to 
alter rock surfaces toward less water wet condition (Rogers and Grieg (2000)). 
According to Chiquet et al. (2005), such alteration is mainly due to the reduction of 
electrostatic interactions at the interfaces. These interactions tend to stabilize the brine 
film and favor water wettability. 
Chalbaud et al. (2007b) also observed that the wettability of CO2 is stronger at low 
temperature which is due to the increased dissolution of CO2 hence reducing the 
electrostatic forces stabilizing the water films. 
Chiquet et al. (2007a) performed measurements of contact angle variations with 
different pressures and mineral surfaces. The contact angle variation that occurs with 
CO2 is primarily caused by the change in brine pH that occurs when the pressure is 
increased, resulting in an increase of the solubility of CO2 in brine (Chiquet et al. 
(2007a)). 
It can be observed from figures 7.1 and 7.2 that the impact of brine salinity on 
wettability seems to be limited in the case of quartz, whereas an increase in NaCl 
concentration seems to reduce the water wettability of mica more strongly. Chiquet et 
al. (2007a) reported that, at fixed pressures, the contact angle θd increased by 
approximately 25 degrees when the brine salinity was increased from 0.1 to 1 M 
NaCl. However, the data at 0.01 M NaCl do not obey this trend. This is consistent 
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with the rather peculiar influence of brine salinity reported by Chiquet et al. (2005). 
The authors reported that, at fixed pressures, the contact angle decreased by ~20 
degrees from 0.01 M NaCl to 0.1 M NaCl, then increased by about the same amount 
from 0.1 NaCl to 1 M NaCl. 
As can be seen from figure 7.1 and 7.2, measurement data is at relatively lower 
pressure region compared to typical pressure in CO2 storage. Hence we must 
extrapolate the data to obtain values for higher pressures.  
It is important to understand the trend of the data. Chiquet et al. (2005) presented 
contact angle alteration curves that more clearly show the trend of these data, and it is 
evident that a simple linear trend is not sufficient to describe the wettability alteration. 
In each of the curves, around 50-70 bar, a break in the curve is observed, and each 
curve can be divided into two linear curves. This break could be a result of the 
different properties of gaseous CO2 and supercritical CO2, as the critical pressure is at 
73.82 bar. The spreading of the break-points could be a result of the different 
salinities in the system. 
 
Figure 7.1: Drainage contact angles on mica as a function of CO2 pressure.  
Adapted from Chiquet et al. (2007a). 
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Figure 7.2: Drainage contact angles on quartz as a function of CO2 pressure.  
Adapted from Chiquet et al. (2007a). 
Shah et al. (2008) and Tonnet et al. (2008) performed similar experiments with some 
improvement in the equipment. Shah et al. performed experiments at 35oC up to a 
CO2 of 60 bar with low salinity brine (4 g/l NaCl). They observed a similar trend to 
that observed by Chiquet et al. (2007a) but the effect of pressure to wettability 
alteration is less pronounced. They also performed experiment on different 
temperatures (35oC and 75oC) and found that wettability is remains the same within 
experimental accuracy. On the other hand, they also observed that for quartz, contact 
angle does not seem to change with pressure. 
Experiment results from Tonnet et al. (2008) show that the changes in contact angle 
with pressure for mica is very moderate. They did not observed any clear trend of 
wettability alteration due to temperature variation (35oC – 120oC) and brine salinity 
(low to moderate salinity). In the case of quartz, they obtained similar results with 
those obtained by Chiquet et al. (2007a).  
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Summary of experiment results from Chiquet et al. (2007a), Shah et al. (2008) and 
Tonnet et al. (2008) will be presented in figure 8.1 in this thesis. 
7.2.2 Changes in interfacial tension 
The storage capacity of CO2 in a reservoir is very dependent on the maximum CO2 
overpressure that the reservoir seal can sustain, which is dependent on not only the 
contact angle between the phases, but also on the interfacial tension. It is important to 
understand how the CO2/water interfacial tension will behave with varying 
temperature, pressure and salinity when assessing the efficiency of CO2 storage in 
deep geological formations. 
According to Chiquet et al. (2007b), at low pressure, the CO2/brine IFT decreases 
approximately linearly with increasing pressure and decreasing with increasing 
temperature.  
Above pressures of around 12-15 MPa a pseudo-plateau is reached, showing very 
limited pressure dependency. The value of this pseudo-plateau decreases with 
increasing temperature from about 30 mN/m at 308 K to about 23 mN/m at 383 K. 
This is a temperature trend opposite to that observed for pressures just above about 5 
MPa. 
The measurements of the CO2/water system reported by Chiquet et al. (2007b) 
displayed strong IFT decrease at low pressure, followed by the levelling off in the 
range of 15-45 MPa. However, no data for pressures over 50 MPa were reported. 
Rogers and Grigg (2000) reported that interfacial tensions declined asymptotically 
with increasing temperature and pressure, and the authors supported what Chiquet et 
al. (2007b) observed; that at higher pressure the IFT is largely independent of 
pressure. This is according to the authors attributed to the solubility increase of CO2 
in water with pressure. The authors reported that in the proximity (±10-20˚C) of the 
critical point of CO2 the IFT decreases rapidly, and a dip in the IFT vs. pressure curve 
can be observed from figure 7.5. The interfacial tension between the CO2 water 
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system is lower than that for water/hydrocarbon systems, and is attributed to the 
higher miscibility of CO2 and water versus hydrocarbons and water (Rogers and 
Grigg (2000)).  
 
Figure 7.5 Measured isotherms of CO2/water (or brine) as a function of pressure. 
Adapted from Chiquet et al. (2007b). 
As a rule, the CO2/brine interfacial tension increases with increasing brine salinity, 
and the increase is believed to be independent on pressure in the range of 0-6 MPa 
(Chiquet et al. (2007b)). The authors reported that at a temperature of 298 K, the 
increase reached about 10 mN/m for the highest salinity investigated, i.e. 5 M NaCl. 
The increase in IFT with salinity is fairly independent of pressure and reflects the 
increase in brine surface tension with salinity at ambient pressure, i.e. with no CO2 
present (Chiquet et al. (2007b)). Even though the IFT values for the CO2/water and 
CO2/brine system are about half the CH4/water IFT values at similar conditions, they 
still have reasonable values, i.e. above 20 mN/m (Chiquet et al. 2007b).  
Interfacial tension will have a large influence on the brine displacement by CO2, since 
both the capillary pressure and the relative permeability depend on the interfacial 
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tension between CO2 and formation water (brine), but a very strong relationship 
between computed gas-water ratio (dissolved CO2) and interfacial tension has also 
been reported by Bennion and Bachu (2008). The equilibrium IFT between the brine 
and CO2 phases is likely to be affected by the amount of dissolved CO2 at equilibrium 
conditions, hence by CO2 solubility.  
7.3 Trapping mechanisms 
In general, CO2 trapping mechanism can be categorized into four mechanisms as 
shown in figure 7.6.  
The primary mechanism for trapping CO2 is through the existence of confining layers 
or cap rocks such as shale or salt bed that are impermeable to the CO2. The geometry 
of the trap takes two dominant forms. The first type of trap is called a structural 
trapping which is shaped as a dome or anticline, while the second called a 
stratigraphic trapping derives from lateral variations in the rock type that results in the 
reservoir layer grading into adjacent confining layers.  
As the CO2 migrates through the pores in the reservoir layer, pockets of CO2 will 
adhere to the rock grains, where they will remain due to surface tension effects; this is 
called residual or capillary trapping,  
CO2 will dissolve in the formation water. CO2-saturated brine being denser than 
formation water will sink to the bottom of the reservoir due to buoyancy, hence 
preventing CO2 to contact the cap rock. Solubility trapping will be strongly dependent 
on brine salinity and composition, the density difference between the CO2 and brine, 
and permeability and anisotropy (Ülker et al. (2007)). 
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Figure 7.6: Storage security as a function of time, Adapted from The Cooperative 
Research Centre for Greenhouse Gas Technologies. Adapted from 
www.co2crc.com.au 
Mineral trapping is an important mechanism for the long term storage security of the 
CO2 storage project. As previously noted, CO2 in the underground can undergo a 
sequence of geochemical interactions with the rock and formation water that will 
further increase storage capacity and effectiveness. The reactions trapping CO2 in the 
form of carbonate minerals are of special interest. Although these reactions are much 
slower than CO2-water reactions, they might provide a more permanent sink for CO2 
in the form of carbonate minerals. The stability of carbonate minerals results in CO2 
being effectively immobilized for geological timescales. 
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8. Summary of main work 
8.1 Three-phase flow in porous media 
In the first part of this thesis, we are including proper description of three-phase flow 
in porous media. Three-phase relative permeability has been described by the 
WAGHYST model from Larsen and Skauge (1998). The model was anchored to 
observation on laboratory studies and has been used extensively for several WAG 
simulation models (Kossack (2000), Egermann et al. (2000), Karkooti et al. (2011), 
Shahverdi et al. (2011)). However, the effect of three-phase capillary pressure was not 
included in this model, possible due to lack of data. This thesis is partially trying to 
expand WAGHYST model by including capillary pressure. 
Several models have been used to describe three-phase capillary pressure in Eclipse 
black oil model and other commercial reservoir simulation. The most common 
technique is Killough hysteresis model (Killough (1976)) which was described earlier 
in chapter 5. The problem with this technique is that it was solely interpolation of 
two-phase capillary pressure, hence it depends only on single-phase saturation. 
However, experiment results from Kalaydjian (1992) and Virnovsky (2004) show that 
three-phase capillary pressure may depend on saturation of all three-phases. 
Another technique is to allow user input three-phase capillary pressure as 2D table 
where the capillary pressure is a function of saturation for all involved phases. This 
approach allows more realistic implementation of three-phase capillary pressure in 
simulation. For Eclipse, this approach is implemented using keyword PCG32D and 
PCW32D. Unfortunately, Eclipse put a strict rule within these tables in order to be 
consistent with Killough hysteresis model (Killough (1976)). Three-phase capillary 
pressure defined using these keywords must be lower than two-phase capillary 
pressure as illustrated in figure 5.1. Hence, three-phase capillary pressure data from 
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network model which are consistent with data from Kalaydjian (1992) and Virnovsky 
(2004), cannot be implemented in ECLIPSE using these keyword.  
We have obtained an open source chemical flooding simulation tool from University 
of Texas Austin. The code is called UTCHEM which was originally coded for 
chemical flooding simulation. Recently, University of Texas Austin has added three-
phase flow simulation into UTCHEM. However, there was not any support for three-
phase saturation function. We have implemented both WAGHYST relative 
permeability model and three-phase capillary pressure table into UTCHEM. Table 
implementation is slightly relaxed in our implementation compare to Eclipse 100 to 
accommodate capillary pressure from network model. 
WAGHYST relative permeability model in UTCHEM is implemented in a similar 
way as it is implemented in Eclipse 100. The model requires input of Land’s constant, 
gas relative permeability reduction factor and coefficient for reduction of oil residual 
saturation due to amount of trapped gas. 
Three-phase capillary pressure data are included as two dimension table where oil-
water capillary pressure data are function of oil and water saturation. The gas-oil 
capillary pressure is treated similarly, i.e. the capillary pressures are defined as a 
function of oil and gas saturation.  
It is of great importance to include correct three-phase capillary data into flow 
simulation. However, these data are not easy to measure since the displacement 
experiments can follow different saturation paths. Hence it will generally be more 
difficult experimentally, take longer time and more expensive to obtain these data 
compared to traditional two-phase flow experiment. 
Network model has been investigated as an alternative approach to generate three-
phase relative permeability and capillary pressure data (Mani and Mohanty (1998), 
Fenwick and Blunt (1998), Lerdahl et al. (2000), van Dijke and Sorbie (2002), Piri 
and Blunt (2005) ) Prior to this process, network model is usually anchored to much 
more available two-phase capillary pressure data.  
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Initially we tried to anchor network model manually, trying out several combinations 
of parameters and check which combination give the best fit. Unfortunately, with the 
numerous amount of parameters involved, it is not feasible to use this approach. As an 
example, evaluating each of these parameters at minimum, median and maximum 
values will need n3  number of network simulation with n represent number of 
parameters. Evidently, the number of network simulation will grow exponentially 
with number of parameters. In addition, the process can be complicated further since 
some of the parameters are strongly related to other parameters such as minimum and 
maximum radius.  
In this thesis, we have explored the possibility of implementing experimental design 
and ensemble Kalman Filter technique as a tool for automating capillary pressure 
matching process. Details on implementation of these methods are presented in 
chapter 4 and publication 2.  
We run a synthetic network model to generate capillary pressure for primary drainage 
and imbibition process (with aging process) and use the capillary pressure as our 
matching target. We also add noise (maximum 10%) into capillary pressure data in 
order to mimic experiment data. The parameters for both techniques were initialized 
with the same range. Both techniques were started with the same parameter range. We 
run 100 network simulations for each matching process and update the model 
accordingly afterward.  
Our trial on synthetic network mode shows that ensemble Kalman Filter converged 
faster and matched solution more accurate compared to experimental design. We 
believe this is due to sampling technique in ensemble Kalman Filter which spreads 
along the parameter range. Experimental design, on the other hand, only used three 
values for each parameter which minimum, median and maximum values. Hence the 
technique might fail to locate global solution value for the parameters, especially 
when parameters are widely spread.  
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Another issue with experimental design is that sometimes RSM model gives a wrong 
direction of parameter shifting. This could be due to interaction between parameters 
that is not modeled properly into RSM model. The problem could become critical 
since we shrunk parameters range every time we update the model based on 
indication from RSM model. Experimental design cannot recover from this error 
since the solution will be outside of the range after updating. Ensemble Kalman Filter 
does not have this limitation since the parameter ranges are kept constant so that the 
method can correct any misdirection at each step. In addition, there is no need to 
model the interaction between parameters as it is checked statistically in ensemble 
Kalman Filter method.  
Anchored network model can then be used to generate three-phase capillary pressure. 
We performed full primary drainage process, followed by imbibition process on 
anchored network model. Imbibition process is stopped at different saturation level 
and followed by full secondary drainage process. Due to complexity of the process 
involved, network model assumed constant capillary pressure between two non-
displacing fluids during secondary drainage. For example, in gas injection process 
after water injection, network model will assume that oil-water capillary pressure 
remains constant for the whole secondary drainage process. The value for this oil-
water capillary pressure during this process is taking from last oil-water capillary 
pressure during imbibition process. This assumption is not necessarily correct but it is 
important to establish so that network model can calculate the other capillary 
pressure. 
Three-phase capillary pressure from network model are collected for different initial 
saturation level and smoothed as a surface in MATLAB. The smoothing process is 
important for reservoir simulation as it will reduce instability due to non-continuous 
capillary pressure derivation. The best approach to include this surface into UTCHEM 
is to have an analytic equation that smooth three-phase capillary pressure surfaces and 
implement it into UTCHEM. However, due to the complexity of the surface, it is 
difficult to fit it into one analytic equation. As an alternative, we have put a detailed 
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three-phase capillary pressure with saturation step for both phases smaller than 0.01 
fraction. We have observed that larger three-phase capillary pressure table improves 
the stability of simulation and allow faster simulation process. 
In order to keep consistency of saturation end-point between relative permeability and 
capillary pressure, we have stretched three-phase capillary pressure to cover the same 
end-point as in two-phase flow. Hence it will cover the domain where relative 
permeability is covering. 
As mentioned earlier, we have modified UTCHEM to include three-phase flow 
description. In order to verify its accuracy, we have performed simulations of several 
synthetic cases on both Eclipse 100 and UTCHEM. We have used both zero capillary 
pressure and two-phase capillary pressure in all cases as Eclipse has limited 
implementation of three-phase capillary pressure. For both cases, we used 
WAGHYST model to represent three-phase relative permeability. In general, we see a 
similar result from both simulators. There are some small discrepancy between cases 
but they are in a negligible amount which is probably due to different solver 
implementation in the simulator. 
Three-phase flow simulation results without capillary pressure were compared to the 
cases with two-phase capillary pressure. The observation shows that the differences 
are negligible for any wettability condition as reported in publication 3. It is important 
to understand that this observation is very dependent on the scale of the model. In the 
field scale, the effect of capillary force is usually much lower compare to viscous 
force, hence the effect of capillary pressure in this scale is usually negligible. Dale 
and Skauge (2007) perform simulation study in core scale and show that oil recovery 
is strongly affected by two-phase capillary pressure. 
Including three-phase capillary pressure seems to affect oil recovery efficiency 
significantly even at field scale simulation. The effect is very dependent on wettability 
of the rock as three-phase capillary pressure surfaces are mainly related to the rock 
wettability.  
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In publication 3, we generated three-phase capillary pressure for different rock 
wettability and perform flooding simulation. We saw that maximum oil recovery is 
attained in the scenario where gas injection is followed by water flooding (G1W2 
process) in rock with strongly water-wet condition. This simulation result is in 
accordance with observation by Skauge (1994). Another important observation is that 
G1W2 process will attain the higher  recovery efficiency compared to W1G2 process 
(water injection followed by gas injection) regardless of rock wettability in our 
studies (strongly water-wet, strongly oil-wet and intermediate-wet) 
For all kind of rock-wettability system, including three-phase capillary pressure 
significantly increase oil recovery efficiency for W1G2 process and reduce oil 
recovery efficiency for G1W2 process. The effect of three-phase capillary pressure is 
most significant for strongly water-wet case with G1W2 process and strongly oil-wet 
case with W1G2 process. 
8.2 Wettability alteration during CO2 sequestration  
Several researchers have pointed out that wetting preference of a mineral could 
change when being contacted by carbonic acid (Chalbaud et al. (2007a), Chiquet et al. 
(2005), Chiquet et al. (2007a), Shah et al. (2008), Tonnet et al. (2008)). The resulting 
reduction in pH toward the iso-electric point of the mineral will tend to reduce the 
water wettability towards a state of more intermediate wetting. 
In order to investigate the effect of wettability alteration during CO2 sequestration, we 
have built a representative model of Johansen formation, a candidate for CO2 
sequestration project.  
In addition, we have also performed sensitivity studies on several parameters that are 
considered crucial for storage capacity such as solubility effect, diffusion effect, 
variations in injection rate, permeability anisotropy for both reservoir and cap rock, 
and porosity effect. 
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Base on simulation result for Johansen model, we found that diffusion has a large 
effect on storage capacity of the cap rock, second to wettability alteration. Diffusion 
acted as another migration mechanism and migrate CO2 from higher concentration 
zone to low concentration zone i.e. cap rock. Including diffusion into simulation 
allows CO2 migrated toward cap rock and increases the potential of leakage. 
Laboratory experiments show that diffusion coefficient is increasing with temperature 
(Tamimi et al. (1994)). The diffusion coefficient increases more at higher 
temperature, indicating that it is important to choose storage location with lower 
temperature. In general, rock temperature increase at deeper formation with a 
relatively constant rate. The geothermal gradient is varied with location. In most of 
the places which is away from tectonic plate, geothermal gradient is range between 
25-30oC per km. Hence it is preferred to have a shallow injection point in this case to 
lessen CO2 migration due to diffusion. 
Another important parameter to consider is CO2 solubility into water. Water is 
capable of capturing large amount of CO2. The solubility is dependent on pressure, 
temperature and salinity as described in chapter 6. Simulation study excluding CO2 
solubility shows large amount of free gas accumulated underneath the cap rock and 
consequently increase the potential of leakage. Hence it is necessary to consider this 
mechanism when we choose injection location. 
Hysteresis contributes a significant portion of trapping CO2 into porous media. This 
mechanism started to take into account when injection is stopped and water imbibed 
CO2. As water is the wetting phase, CO2 might be trapped inside the pore as described 
in chapter 3. Simulation results show that including hysteresis into simulation leads to 
a lower CO2 accumulation underneath the cap rock as some of them are trapped 
within reservoir. 
Sensitivity study on petrophysical properties of both shale and reservoir shows a small 
effect of these properties on CO2 sequestration safety. The most important 
petrophysical property is shale anisotropy. Higher anisotropy value means higher 
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vertical permeability which leads to more vertical migration from reservoir to cap 
rock, thus increase the risk of CO2 leak to surface. 
As the focus of this study is wettability alteration, we have collected several measured 
wettability alteration experiment results due to CO2 injection. These experiment data 
show a decreasing contact angle between gas and water, hence reduce the water-wet 
state of the rock as CO2 pressure is increasing. However, these experiments show a 
very different values for mica (figure 8.1) while quartz experiment results (figure 8.2) 
show a very good agreement. 
 
Figure 8.1: Contact angle alteration for mica based on experiment from Chiquet et al. 
(2007a), Shah et al. (2008) and Tonnet et al. (2008) 
In this study, we assume that shale layer is assumed to contain pure mica and 
reservoir (sand) contains pure quartz. We understand that in reality, the layers can 
contain both mica and quartz and some other minerals as well. However, there are 
limited experiment data on wettability alteration and they only perform experiment on 
typical mineral such as quart and mica. 
Experiment data were performed at relatively low pressure which is probably due to 
pressure constraint of experiment equipment. We only have information for pressure 
lower than 150 bar. In the case for Johansen formation, the reservoir will be exposed 
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to high pressure, up to maximum of 350 bar due to formation depth. As a 
consequence, we need to extrapolate experiment data far away from available data. 
The most logical choice would be to perform linear extrapolation since we did not see 
any strong trend of other correlation. We realized that extrapolation give an large 
uncertainty hence we added more sensitivity where we assumed that wettability 
alteration is stopped when CO2 has reached critical pressure and CO2 will maintain 
the same wettability from this critical pressure. We assume that the representative 
wettability alteration process should lies between these two cases. We did not perform 
extra case for experimental result from Tonnet et al. (2008) as there are only two data 
points and one of them has exceeded critical pressure.  
 
Figure 8.2: Contact angle alteration for quartz based on experiment data  
from Chiquet et al. (2007a) 
In most commercial simulator, there is no option for wettability alteration. This is the 
case with GEM-GHG simulator that we use in this study. GEM-GHG is a commercial 
compositional simulator that has a detail model on CO2 sequestration. Due to the lack 
of wettability alteration option in the simulator, we have to perform a semi-dynamic 
simulation study. We prepared several sets of saturation functions which were 
generated from network model for different wettability condition. Each set of 
saturation function is valid on certain range of block pressure. The simulation is then 
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run for 10 years and then stopped, grid blocks pressure and CO2 saturation are 
reported at the end of this 10 years period. Based on pressure and CO2 saturation at 
each grid block, we assign new saturation function in that particular grid block. The 
simulation is then run for another 10 years period. The sequence is repeated until the 
end of injection period. We also performed wettability alteration after injection 
period. We have chosen longer time period i.e. 50 years period as we expect less 
migration process after injection is stopped. 
Reduction in wettability of the storage layer strongly affects both the migration of 
CO2 into the cap rock, and especially the migration of CO2 within the formation. We 
observe that wettability alteration will reduce the amount of CO2 distributed in sand 
layer. A large portion of CO2 migrated into shale layer as shown clearly in alteration 
at the end of injection period. 
The scenario where wettability alteration is stopped at pressure above critical pressure 
shows more leakage potential for alteration data based on Chiquet et al. (2007a). This 
is probably due to higher gas relative permeability for this particular case. This 
observation is interesting considering that this particular case is neither the worst or 
the best scenario for wettability alteration. Hence, proper simulation study must be 
performed to evaluate the safety of CO2 sequestration on a given wettability alteration 
potential. 
Simulation study for Johansen formation shows an interesting result. Some of the 
mechanisms can affect the other migration mechanisms. For example, diffusion can 
assist migration of CO2 hence rock will have its wettability altered thus lower CO2 
capillary entrance pressure of that particular grid block. We have performed 
simulation study focusing on the effect of wettability alteration with other migration 
mechanisms. In this simulation study, wettability alteration was based on experiment 
data from Tonnet et al. (2008) which is the recent experiment data. 
Including diffusion in the simulation leads to increase amount of CO2 in cap rock. 
This result is in accordance with simulation study for Johansen formation. However, 
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the case which includes both diffusion and wettability alteration shows lower amount 
of CO2 in cap rock. Possible explanation is that combining both diffusion and 
wettability alteration leads to more severe wettability alteration. Although capillary 
pressure is reduced greatly, CO2 does not migrate into cap rock easily since relative 
permeability is reduced as well.  
Heterogeneity in this study is modeled based on Dykstra-Parsons coefficient. 
Simulation study with heterogeneity variation in both sand and shale layers shows a 
negligible effect on amount of CO2 in cap rock. However, after including wettability 
alteration in the simulation, we noticed significant changes for different 
heterogeneity. A significant reduction of CO2 amount in cap rock was encountered for 
sand Dykstra-Parsons coefficient higher than 0.4. This is probably due to the 
existence of low permeability barrier at high Dykstra-Parsons coefficient. The barriers 
will tend to reduce vertical migration more that lateral one as we have chosen 
anisotropy ratio value of 0.1.  
Similar observation was seen for sensitivity in shale heterogeneity. Lower amount of 
CO2 in cap rock at higher heterogeneity were due to existence of flow barrier. 
However the impact is not as large as sand heterogeneity variation. The reason for 
such observation is that most of migration is taking place in sand layers. Shale barrier 
will only contribute at later stage of simulation.  
Ideally, rock wettability is altered spontaneous when rock surface is in contact with 
CO2. However, due to limitation of simulator, we need to perform wettability 
alteration in a semi-dynamic way. Alteration at smaller time step will require a large 
effort to perform since it involves a lot of manual work. Hence it is interesting to see 
the impact of wettability alteration frequency. Our simulation study shows that 
increasing the frequency of wettability alteration 5 times can increase the amount of 
CO2 in cap rock by 4 times. Reducing the frequency also shows a reduction in the 
leakage risk. Despite of the high impact of wettability alteration frequency, it is not 
feasible to perform such alteration with high frequency manually. Hence it is 
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recommended to modify the simulator to allow for wettability alteration within the 
simulator itself. 
Grid dimension is an important issue in simulation. Smaller grid block size is 
recommended to reduce numerical dispersion. However, it will increase simulation 
time significantly. Hence we need to find balance between these two factors. For this 
study, we refine grid size by a factor of two at each direction. In addition, refinement 
by factor of two in all direction was also performed. Grid block permeability is 
distributed prior to refinement hence there is not any effect of random permeability 
distribution. Significant increase in leakage risk were seen for grid refinement in one 
direction i.e. refinement in lateral direction or vertical direction only. However, it is 
interesting to mention that leakage risk is reduced even more that base case in the case 
where refinement were done in both direction. Possible explanation is one direction 
refinement enhance CO2 vertical migration. 
It is important to note that these observations are dependent on the choice of 
wettability alteration model. The effect of reduced wettability is dependent on the 
balance between decrease in capillary pressure entrance and decrease in gas and water 
relative permeability. 
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9. Concluding Remarks 
9.1 Three-phase flow in porous media 
Three-phase relative permeability and capillary pressure have been included into 
UTCHEM simulator. This will allow proper modeling of three-phase flow in porous 
media. Three-phase relative permeability model is based on WAGHYST model from 
Larsen and Skauge (1998). Three-phase capillary pressure surfaces are generated 
from network model. The simulator code is calibrated against Eclipse reservoir 
simulator and gave good match.  
Three-phase capillary pressure can be generated from network model that is anchored 
to two-phase experiment data. We have implemented both experimental design and 
ensemble Kalman-Filter as a tool for automatic capillary pressure matching. From our 
trial with a synthetic network model, we saw that ensemble Kalman-Filter is superior 
compared to experimental design. 
Three-phase capillary pressure generated from network model shows that absolute 
maximum three-phase capillary pressure is higher than two-phase capillary pressure. 
This is mainly the reason that three-phase capillary pressure has significant effect 
compared to two-phase capillary pressure. 
Including three-phase capillary pressure will increase oil recovery especially for 
W1G2 process while it will reduce recovery for the G1W2 process. Three-phase 
capillary pressure has the most influence in strongly water-wet cases for G1W2 and 
strongly oil-wet cases for the W1G2 process. 
 78 
9.2 Wettability alteration during CO2 sequestration 
Simulation study on CO2 sequestration shows that migration of CO2 is strongly 
dependent on the heterogeneity of the aquifer, an important controller of fluid flow, 
especially on the Norwegian Continental Shelf. Including the solubility effects has 
shown a large influence on the CO2-water displacement, considering that a larger 
amount of CO2 accumulates underneath the cap rock when dissolution is ignored. 
Low permeability anisotropy is preferred for ideal storage location as it will act as 
barrier preventing CO2 upward migration. 
Hysteresis plays an important role in CO2 sequestration project after injection ended 
and water starts to imbibe into pore filled with gas. Water will displace gas and some 
of the gas will be trapped in the pore. 
In general, diffusion will increase the risk of leakage and enhance wettability 
alteration. However, in some cases, due to lower gas relative permeability as 
wettability is reduced, the safety of CO2 sequestration can be enhanced. 
Heterogeneity of both sand and shale layers has inverse relationship with amount of 
CO2 migrate to cap rock.  
The frequency of wettability alteration can influence the risk assessment. Simulation 
study shows that increasing the frequency of wettability alteration will increase the 
amount of CO2 migrate to cap rock. However, it is often impractical to perform 
wettability alteration too frequent hence the right balance is needed. 
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10. Further work 
During the work on this thesis, several issues have emerged that would benefit for 
further investigation.  
Convergence of experimental design can be enhanced by changing the algorithm for 
solution finding. Instead of bisection method, we can perform simulation at more 
points on important parameters and the best solution can be picked up for further 
iteration process. In addition, it is interesting to see how RSM model behave if we 
include interaction between parameters. 
Automatic history matching of two-phase capillary pressure can be optimized further 
combining both experimental design and ensemble Kalman-filter. Experimental 
design can be employed to select significant parameters and ensemble Kalman-Filter 
are then used to find solution value on these significant parameters. Using such 
technique, there will be less noise from insignificant parameters that need to evaluate 
using ensemble Kalman-filter method hence it could increase convergence rate. 
Simulation will benefit from smooth capillary pressure representation. Three-phase 
capillary pressure will need to be smooth against analytical equation. More advance 
study can be performed to model capillary pressure hysteresis based on this analytical 
equation. However, consistent end-point saturation need to be carefully treated as 
process is changing so that end-point saturation might be shifted at each process. 
Another issue that is worth to pursue is the impact of constant capillary pressure 
assumption when performing secondary drainage process. Network model can be 
modified to calculate three-phase capillary pressure when capillary pressure of three 
pairs of fluids is changing. 
CO2 sequestration study can be extended to incorporate the effect of geochemistry 
reaction in the storage to wettability alteration. Some geochemistry reactions change 
the pH level of the system which can trigger wettability alteration of the rock. 
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Reservoir simulator can be stopped for each certain duration, checked for pH level on 
each block and altered saturation function according to its pH condition. 
It is also interesting to see severity of wettability alteration on mixed mineral 
composition. However, since there is not any published experiment result on mixed 
mineral, it is perhaps easier to model the process mathematically. 
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Nomenclature 
A   cross section area 
oa   constant in the Corey type and Skjæveland et. al correlation 
wa   constant in the Corey type and Skjæveland et. al correlation 
C   constant in the Corey correlation and Land correlation 
oc   constant in the Skjæveland et. al correlation 
osC ,   spreading coefficient 
wc   constant in the Skjæveland et. al correlation 
dP   differential pressure 
dx   differential distance 
E  curvature parameter 
oE   constant in LET oil relative permeability correlation 
wE   constant in LET water relative permeability correlation 
F  factor in Killough’s correlation 
downF   downward force 
upF   upward force 
g   gravity acceleration and conductance 
h   height 
k   permeability 
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ieffk ,   effective permeability for fluid i 
rgk   relative permeability for gas 
rik   relative permeability for fluid i 
rok   relative permeability for oil 
rogk   two-phase oil relative permeability in a gas-oil system 
rowk   two-phase oil relative permeability in a oil-water system 
rwk   relative permeability for water 
( )
orwgSrg
k  water relative permeability at residual oil saturation after gas injection 
( )
gcSro
k  oil relative permeability at critical gas saturation 
( )
wiSro
k  oil relative permeability at irreducible water saturation 
( )
orwcSrw
k  water relative permeability at residual oil saturation after water injection 
oL   constant in LET oil relative permeability correlation 
wL   constant in LET water relative permeability correlation 
gn   gas relative permeability exponent 
ogn   oil relative permeability exponent in presence of gas 
own   oil relative permeability exponent in presence of water 
wn   water relative permeability exponent 
cP   capillary pressure 
 91 
awcP ,   capillary pressure between air and water 
CdP   drainage capillary pressure 
entryCP ,  capillary entry pressure 
CgoP   gas-oil capillary pressure 
CgwP   gas-water capillary pressure 
CiP   imbibition capillary pressure 
CowP   oil-water capillary pressure 
eP   capillary entry pressure 
wentryP ,  capillary entry pressure for water wet pores 
wettingnonP −  pressure in non-wetting phase 
oilP   pressure in oil phase 
waterP   pressure in water phase 
wettingP  pressure in wetting phase 
q   flow rate 
r   pore radius  
maxr   maximum pore radius 
minr   minimum pore radius 
eS   effective saturation 
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gS   gas saturation 
*
gS   effective gas saturation 
gcS   critical gas saturation 
giS   initial gas saturation 
gtS   trapped gas saturation 
lcS   total critical liquid saturation 
max,nwS  maximum saturation of the non-wetting fluid 
tnwS ,   trapped saturation of the non-wetting fluid 
oS   oil. Saturation 
*
oS   effective oil saturation 
orS   residual oil saturation 
orgS   residual oil saturation after gas injection 
ormS   minimum radius oil saturation 
orwS   residual oil saturation after water injection 
wS   water saturation 
*
wS   effective water saturation 
hyswS ,   water saturation at hysteresis reversal point 
wiS   irreducible water saturation 
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wirS   irreducible water saturation 
wnS   normalized water saturation 
oT   constant in LET oil relative permeability correlation 
wT   constant in LET water relative permeability correlation 
V   volume 
v   volume exponent 
maxix   maximum value for parameter i 
minix   minimum value for parameter i 
max
0
ix   maximum value for parameter i from previous timestep 
min
0
ix   minimum value for parameter i from previous timestep 
gβ   gas factor in the Stone I correlation 
wβ   water factor in the Stone I correlation 
ρ∆   difference in density 
aθ   advancing contact angle 
awθ   angle between air-water interface and solid 
goθ   contact angle between gas-oil 
gwθ   contact angle between gas-water 
owθ   contact angle between oil-water 
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rθ   receeding contact angle 
λ   pore size index and conductance exponent 
iµ   viscosity for fluid i 
pi   constant, approximately 3.14 
aρ   density of air 
wρ   density of water 
σ   interfacial tension 
awσ   interfacial tension between air and water 
goσ   interfacial tension between gas and oil 
gsσ   interfacial tension between gas and solid 
gwσ   interfacial tension between gas and water 
osσ   interfacial tension between oil and solid 
owσ   interfacial tension between oil and water 
wsσ   interfacial tension between water and solid  
